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Abstract: Following large-scale volume fracturing in shale oil reservoirs, well shut-in measures are generally employed. Laboratory tests and field trials have underscored the efficacy of fracturing fluid imbibition during the shut-in phase in augmenting shale oil productivity. Unlike conventional reservoirs, shale oil reservoirs exhibit characteristics such as low porosity, low permeability, and rich content of organic matter and clay minerals. Notably, the osmotic pressure effects occurring between high-salinity formation water and low-salinity fracturing fluids are significant. The current understanding of the mobilization patterns of crude oil in micro-pores during the imbibition process remains nebulous, and the mechanisms underpinning osmotic pressure effects are not fully understood. This study introduces a theoretical approach, by which a salt ion migration control equation is derived and a mathematical model for spontaneous imbibition in shale is introduced, which is able to account for both capillary and osmotic pressures. Results indicate that during the spontaneous imbibition of low-salinity fluids, osmotic effects facilitate the migration of external fluids into shale pores, thereby complementing capillary forces in displacing shale oil. When considering both capillary and osmotic pressures, the calculated imbibition depth increases by 12% compared to the case where only capillary forces are present. The salinity difference between the reservoir and the fracturing fluids significantly influences the imbibition depth. Calculations for the shut-in phase reveal that the pressure between the matrix and fractures reaches a dynamic equilibrium after 28 days of shut-in. During the production phase, the maximum seepage distance in the target block is approximately 6.02 m.
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Nomenclature



	vwD
	Water phase Darcy seepage velocity, cm·s−1



	voD
	Oil phase Darcy seepage velocity, cm·s−1



	k
	Permeability, μm2



	krw
	Water-phase relative permeability



	kro
	Oil-phase relative permeability



	μw
	Water viscosity, mPa·s



	μo
	Oil viscosity, mPa·s



	x
	Length, cm



	pw
	Water pressure, 105Pa



	po
	Oil pressure, 105Pa



	t
	Time, s



	Swc
	Bound water saturation



	C0
	The initial salt concentration of the solution inside the reservoir, mol·cm−3



	P0
	The initial oil phase pressure of the solution inside the reservoir, 105Pa



	pcb
	Capillary back pressure, 105Pa



	Cw
	Salt concentration of solution outside the reservoir, mol·cm−3



	L
	Model length, m



	pc
	Capillary pressure, 105Pa



	nw
	Water phase relative permeability curve fitting index



	no
	Oil phase relative permeability curve fitting index



	Sor
	Irreducible oil saturation



	krw(Sor)
	Relative permeability of water phase under irreducible oil saturation



	kro(Swc)
	Relative permeability of oil phase under bound water saturation



	pmc
	Maximum capillary force, 105Pa



	nc
	Capillary force curve fitting index





1  Introduction

Global estimates suggest significant shale oil reserves, positioning this resource as a key area for future oil and gas exploration and development [1,2]. Shale oil, characterized as hydrocarbons and various organics stored within organic-rich shale formations, exhibits features such as low porosity, low permeability, and a rich organic content [3]. Unlike conventional reservoirs, shale oil typically lacks stable natural production, necessitating large-scale hydraulic fracturing to enhance near-well permeability and thus boost well productivity [4]. Given the pronounced capillary effects in the micro-to-nano scale pores of shale reservoirs and the significant presence of fracturing fluids in the complex fracture networks post-fracturing, these fluids can be imbibed into the matrix pores via capillary forces, displacing the crude oil into hydraulic fractures [5]. Currently, post-fracturing soaking measures, based on imbibition, have emerged as an effective strategy to supplement reservoir energy and enhance shale oil recovery [6]. It is imperative to elucidate the imbibition characteristics of shale reservoirs under capillary and osmotic pressures, reveal the soaking mechanisms post-fracturing, and compute the effective seepage distance during the imbibition and production phases of shale oil reservoirs.

Subsequent research has validated that spontaneous imbibition in conventional reservoirs is primarily driven by capillary forces [7]. The imbibition behavior in sandstones is influenced by various factors. These include the heterogeneity of pore types and their geometric shapes [8–10]. Additionally, the behavior is affected by the electrochemical potential, which is induced by clay hydration and osmotic effects [11,12]. In shale formations, osmotic effects have garnered scholarly attention, recognized as a pivotal mechanism driving fluid invasion [13,14]. Several scholars have recently employed mathematical models to investigate the osmotic mechanisms during spontaneous imbibition in shale formations, particularly emphasizing seepage distance. The advancements in modeling have provided a better understanding of the underlying mechanisms and the influencing factors, which have contributed to more accurate predictions of fluid behavior in both conventional and unconventional reservoirs. Wu et al. [15] utilized the CMG software to develop a numerical model capturing the characteristics of the flowback process in shale gas wells. Their findings emphasize the significance of optimizing the drainage–production system post hydraulic fracturing due to the retention of fracturing fluid. Ghanbari et al. [16] explored water and oil imbibition in gas shales, revealing that water uptake exceeds oil uptake in intact shale samples. Their findings highlight the contrasting wettability in connected and poorly connected pores, providing key insights for fluid treatment in shale reservoirs. Su et al. [17] focused on the spontaneous imbibition characteristics in shale oil reservoirs influenced by osmosis. Their experiments delineated distinct stages in the high-salinity fluid imbibition process and underscored the role of osmosis in shaping these stages. Uzun et al. [18] explored enhanced oil recovery in unconventional reservoirs, demonstrating that osmotic pressure induced by low-salinity water can significantly enhance oil extraction. This approach highlights the potential of osmotic pressure gradients in improving shale reservoir recovery. Conclusively, they postulate that gas recovery’s effectiveness from water imbibition hinges on liquid diffusion, induced fractures by imbibed water, and the formation’s sensitivity.

Within the domain of hydraulic fracturing in hydrocarbon reservoirs, the extent of fluid migration in fractures is pivotal [19]. A suite of investigations has delved into this specific flow dynamic. Wang et al. [20] proposed a semi-analytical model elucidating pressure transient behaviors in wells with asymmetric fractures. Xue et al. [21] introduced a model delineating transient flow dynamics, offering a perspective on fluid movement across horizontal fractures. Guppy et al. [22] underscored the implications of non-Darcy flow, which markedly affects the fluid’s traversal distance in vertical fractures with finite conductivity. Mahmoodi et al. [23] introduced an advanced fluid flow model that accounts for the non-uniform geometry and variable permeability of fractures. This model, applicable to shale gas reservoirs and tight formations, refines our understanding of fluid migration in fractured systems and promises more accurate predictions of reservoir behavior. Wang et al. [24] advanced a model encompassing fluid-solid interactions in microfracture grouting seepage. Numerical analyses revealed a pronounced influence of this coupling on grout seepage traits, with both grouting pressure and fracture aperture demonstrating nonlinear decay along the seepage trajectory.

At present, the mechanisms underpinning osmotic effects during shale’s spontaneous imbibition remain ambiguous and are in the preliminary stages of exploration. Investigations into osmotic effects during this process predominantly employ in-lab core experiments, with limited direct, quantitative studies grounded in seepage theory. Thus, it is essential to harness mathematical models of spontaneous imbibition, integrated with relevant osmotic effect equations, to elucidate the dynamics of osmotic pressure further. This article presents a mathematical model of spontaneous imbibition, factoring in capillary forces and osmotic pressures. It quantifies the effective seepage distance of matrix clusters during the post-fracturing soaking and backflow phases. The derived insights offer a theoretical framework for refining post-fracturing soaking interventions in shale oil reservoirs and assessing seepage distances.

2  Methods

To investigate the influence of osmotic pressure between low-salinity fracturing fluids and high-salinity shale formation waters on imbibition, we formulated a one-dimensional mathematical model for shale oil matrix flow. This model is grounded in seepage theory, osmotic pressure equations, and solute transport principles. By considering an arbitrary position between fractures as a unit, the model integrates both capillary forces and osmotic pressures arising from salinity differentials as imbibition driving forces. Upon numerical resolution of this model, we delved into the fluid distribution and pressure propagation characteristics within the core, determining the effective seepage distance under various pressure differentials.

2.1 Mathematical Modeling and Analysis

2.1.1 Model Description

To delve into the impact of osmotic pressure between low-salinity fracturing fluids and high-salinity shale formation waters on the imbibition process, a uni-dimensional shale oil matrix flow mathematical model was developed. This model is rooted in three main pillars: seepage theory, osmotic pressure calculations, and solute transport mechanisms. By analyzing a specific position between fractures, the model captures both capillary effects and osmotic pressures, which arise due to salinity disparities. The goal is to provide a more accurate representation and understanding of the imbibition behavior within shale oil reservoirs.

Considering the model’s foundation, the following assumptions were made:

1) The process remains isothermal.

2) Compressibility influences from both rock and fluid are negligible.

3) No distinction between inorganic and organic pores is made; only the macroscopic hydrophilicity of shale is considered.

4) Effects related to gravitational forces, capillary pressure, relative permeability hysteresis, and solute transport on fluid density are omitted.

2.1.2 Model Construction

To investigate the influence of osmotic pressure on imbibition, stemming from the salinity difference between low-salinity fracturing fluid and high-salinity shale formation water, we established a one-dimensional mathematical model for flow within the shale oil matrix. This model takes into consideration the osmotic pressure generated by salt concentration disparities.

In the context of one-dimensional oil-water flow, Darcy’s law is articulated as:


vwD=−kkrwμw∂pw∂xvoD=−kkroμo∂po∂x}
(1)

Using an enhanced Darcy’s flow, Olsen [25] described the aqueous phase movement in shale formations and provided the governing equation for two-phase oil-water flow.


vw=−kkrwμw(∂pw∂x−E∂pπ∂x)vo=−kkroμo(∂po∂x)}
(2)

Additionally, the continuity principles for this bi-phase flow were integrated. Combining the previous equations provides a holistic view of the oil-water dynamic:


∂∂x[kkrwμw(∂pw∂x−E∂pπ∂x)]=ϕ∂Sw∂t∂∂x[kkroμo(∂po∂x)]=ϕ∂So∂t}
(3)

In shale reservoirs, the dominant mechanisms for salt ion movement include advection, in compliance with Darcy’s principle, and dispersion, as described by Fick’s principle. Under conditions of consistent flow in a homogenous and isotropic medium, one can deduce a representation for salt ion dynamics rooted in mass conservation principles.

Let the total pore area with an ideal osmotic pressure be denoted as Aπ, which constitutes a fraction E of the total water-phase pore area. In these pores, salt ion migration is not feasible. The total pore area with zero osmotic pressure is represented as AwD, accounting for a fraction (1−E) of the total water-phase pore area. In these pores, water flow adheres to Darcy’s law, and salt ions can freely pass through. AwD can be expressed as:


AwD=(1−E)Apw=(1−E)ϕSwA
(4)

For advection, the solute moves at a pace dictated by Darcy’s principle, aligning with the fluid it is suspended in. Our model, based on a one-dimensional bi-phase flow scenario, defines the salt volume moving through the AwD pore area in the x-direction over a specified duration as:


CuwDAwD
(5)

In the aforementioned equation, uwD represents the actual velocity of the water phase in the water-phase pore without osmotic pressure, measured in cm·s−1. The computational formula is as follows:


uwD=vwDϕSw
(6)

Incorporating Eq. (5) into Eq. (6) and accounting for fluid dynamic dispersion, the salt volume moving through the AwD pore space in the x-direction over a fixed duration due to fluid dynamic dispersion is:


D∇CAwD=D∂C∂xAwD=D∂C∂x(1−E)ϕSwA
(7)

The following analysis derives the advection-dispersion equation for salt migration within porous media. As depicted in Fig. 1, a differential control volume is selected within the flow domain. This elemental volume has a length of Δx and a cross-sectional area, A. The rightward horizontal direction is designated as the positive direction along the x-axis.
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Figure 1: One-dimensional flow unit physical model

Let F denote the quantity of salt transported per unit time along the x-direction across a unit cross-sectional area of the rock core, as illustrated in the subsequent equation.


F=CuwD(1−E)ϕSw−D∂C∂x(1−E)ϕSw
(8)

The negative sign for the dispersion term in the equation implies solute movement towards regions with lower concentration.

From the conservation of mass principle, we can derive:


F|xAΔt−F|x+ΔxAΔt=(CϕSw)|t+ΔtAΔx−(CϕSw)|tAΔx
(9)

Dividing both sides of the equation by ΔxΔtA and taking the limit as Δx and Δt approach zero, we obtain:


−∂F∂x=∂∂t(CϕSw)
(10)

Substituting Eq. (8) into Eq. (10), we obtain:


−(1−E)∂∂x(CuwϕSw−D∂C∂xϕSw)=∂∂t(CϕSw)
(11)

Upon further simplification, we have:


(1−E)∂∂x(DϕSw∂C∂x)−(1−E)∂∂x(CuwDϕSw)=∂∂t(CϕSw)
(12)

A subsequent analysis culminates in the advection-dispersion equation for salt movement within porous media under bi-phase flow conditions. This equation encapsulates the change in fluid’s salt concentration at a specific true velocity, uwD. Interpolating Eq. (6) into Eq. (12) and organizing yields:


ϕ∂(CSw)∂t−ϕ(1−E)D∂∂x(Sw∂C∂x)+(1−E)∂∂x(CvwD)=0
(13)

By substituting Eq. (1) into Eq. (13) and rearranging, we derive:


ϕ∂(CSw)∂t−ϕ(1−E)D∂∂x(Sw∂C∂x)−(1−E)∂∂x(Ckkrwμw∂pw∂x)=0
(14)

The initial conditions for the model are set as follows:


po(x,t)|t=0=p0Sw(x,t)|t=0=SwcC(x,t)|t=0=C0}(0≤x≤L)
(15)

Boundary specifics for the model are outlined: The left boundary maintains a constant pressure, whereas the right boundary is impermeable. Moreover, the salt concentration in the external reservoir solution is kept static.


po(x,t)|x=0=pcbpw(x,t)|x=0=0vo(x,t)|x=L=0vw(x,t)|x=L=0C(x,t)|x=0=Cw}(t>0)
(16)

The relative permeability curve is defined as follows:


krw=krw(Sor)(Sw−Swc1−Swc−Sor)nwkro=kro(Swc)(1−Sw−Swc1−Swc−Sor)no}
(17)

The capillary pressure curve is presented as follows:


pc=pmc(1−Sw−Swc1−Swc−Sor)nc
(18)

2.2 Numerical Simulation and Solution

In the computational model, a block-centered grid approach is adopted. It is imperative to note that all grid dimensions are uniform and represented by Δx. Specifically, the grid at i = 1 acts as the primary water source grid, whereas the grid at i = n serves as the boundary grid. Within the domain of the water source grid, the water phase pressure is consistently maintained at zero. Concurrently, the oil phase pressure remains at the capillary counter-pressure, and the water saturation is perpetually set to unity.

The auxiliary equations and boundary conditions are combined and solved using the Implicit Pressure Explicit Saturation (IMPES) method to ensure computational accuracy while managing computational costs. This approach first solves the water and oil pressures implicitly and then explicitly determines the saturation and solute concentration distributions. Eq. (3) is discretized using finite difference methods after merging the oil and water equations, resulting in Eq. (19). Eq. (14) is discretized to yield Eq. (20).


λi+12n(pwi+1n+1−pwin+1)−λi−12n(pwin+1−pwi−1n+1)=Eλ​​wi+12n​(pπi+1n−pπin) − Eλwi−12n​​​(pπin−pπi−1n)                                                                                     − λoi+12n(pci+1n−pcin)+λoi−12n(pcin−pci−1n)
(19)


ϕ(1−E)D[ Swi+12n(Ci+1n−Cin)−Swi−12n(Cin−Ci−1n) ]+(1−E)[ Ci+12nλni+12(pwi+1n+1−pwin+1)−Ci−12nλwi−12n(pwin+1−pwi−1n+1) ]= Δx2ϕCinSwin+1−SwinΔt                                                                                                                                 +Δx2ϕSwinCin+1−CinΔt
(20)

In our study, we identified the effective seepage distance by observing the pressure field. Once a noticeable decline in the pressure field was observed, it indicated the commencement of seepage. The length over which this decline was observed was defined as the effective seepage distance.

2.3 Parameters Configuration

Considering the aforementioned solution process and based on the fundamental simulation parameters presented in Table 1, the established seepage mathematical model was subjected to computational programming.
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The relative permeability curves and capillary pressure curves used in this study are illustrated in Fig. 2.
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Figure 2: Relative permeability curve and capillary force curve

In this study, data were utilized from a typical shale oil reservoir characterized by low rock brittleness index and a relatively high horizontal stress difference. This reservoir exhibits significant variation in rock mechanical parameters, indicating strong reservoir heterogeneity. Such heterogeneity is a key factor affecting the establishment of an efficient displacement seepage system post volume fracturing [26–28]. Moreover, due to the extremely low permeability of the shale, pressure propagation within the matrix unit is slow, and the effective seepage distance is controlled by the dynamic pressure boundary. Based on the constructed mathematical model and numerical simulation parameters, the matrix blocks’ seepage patterns and effective seepage distances during the two-phase oil-water shut-in and backflow stages were studied.

3  Results

3.1 Impact of Osmotic Action on Imbibition

In the preceding sections, a shale seepage mathematical model was constructed, taking into account both osmotic pressure and capillary forces. To compare the effects of different driving forces on post-fracturing shale seepage, we plotted the seepage depth variation curves considering both capillary forces and osmotic pressure, as well as those considering only capillary forces while neglecting osmotic pressure. In this study, the seepage depth is defined as the range of saturation fluctuations in the shale matrix reservoir. As depicted in Fig. 3, with the increase in soaking time, the seepage depth rises rapidly and then gradually slows down. After 552 h (23 days), the seepage depth reaches equilibrium. The primary driving force for spontaneous imbibition is the capillary force. However, osmotic pressure also plays an indispensable role. The osmotic enhancement effect of KCl ions in the fracturing fluid additives can significantly improve the imbibition recovery rate of shale oil reservoirs. When both capillary and osmotic pressures are considered, the equilibrium seepage depth is 0.95 m, which is approximately 12% greater than when only capillary forces are considered. Therefore, in studies related to enhancing the recovery rate of shale oil reservoirs through imbibition, osmotic action should be regarded as a crucial mechanism, second only to capillary action.
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Figure 3: Curves of seepage depth under different driving forces

To investigate the influence of different fracturing fluid salinities on imbibition, numerical simulations were conducted by varying the salinity at the fracture face and the external reservoir solution. The study aimed to understand the impact of varying salinity differences on shale imbibition. The selection of mass fractions of KCl in the external reservoir solution, ranging from 0% to 10%, was based on practical field applications of fracturing fluids. Specifically, a concentration of 2.5% KCl represents the actual concentration applied in the target reservoir. The imbibition depth variation under different salinity differences is depicted in Fig. 4. It was evident that changes in salinity difference significantly influenced the degree of extraction. As the mass fraction of KCl in the fracturing fluid increased, the enhancing effect of the fracturing fluid’s imbibition gradually weakened. In practical field applications, the mass fraction of KCl in the fracturing fluid is 2.5%, corresponding to an imbibition depth of 0.95 m. In contrast, when there is no salinity difference between the fracturing fluid and the formation fluid, the spontaneous imbibition depth of the fracturing fluid is only 0.82 m, a reduction of 13.7%. When the internal reservoir solution salinity remains constant, a decrease in the external reservoir solution salinity increases the salinity difference between the internal and external solutions, subsequently increasing the imbibition depth. Therefore, for hydraulic fracturing development of shale oil reservoirs, it is advisable to reduce the salinity of the fracturing fluid and increase the salinity difference between the formation water and the fracturing fluid. This promotes the imbibition of the fracturing fluid into the shale, thereby enhancing the recovery rate of shale oil.
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Figure 4: Curves of seepage depth under different salinity differences

3.2 Matrix-Fracture Pressure Dynamics in Shale Imbibition

In this study, we utilized the established seepage mathematical model to examine the matrix-fracture pressure equilibrium during the forced imbibition process in shale after the enhancement of the fracturing fluid. We deduced the bottom-hole flowing pressure post-enhancement using wellhead pressure data and the wellbore pressure loss model. This pressure was then set as the initial fracture wall pressure. We simulated 30 days to observe the saturation and pressure changes within the inter-fracture matrix of the shale reservoir.

Fig. 5 depicts the changes in oil saturation within the shale matrix reservoir over different shut-in durations. One day after shut-in, forced imbibition had driven the fracturing fluid deeper into the reservoir, achieving a seepage depth of 0.48 m. This phenomenon can be attributed to the capillary action and the differential pressure between the fracture and the matrix. As the fluid imbibed, it displaced the oil, leading to changes in saturation. By the 15th day, a distinct fracturing fluid invasion zone had emerged near the fracture, extending the seepage depth to 1.42 m. The expansion of this zone indicates the continuous movement of the fracturing fluid, driven by the pressure gradient. By the end of the 30-day period, the seepage depth had plateaued at 1.78 m, suggesting that the matrix had reached near-saturation with the fracturing fluid.
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Figure 5: Variations in shale matrix oil saturation over different shut-in durations

Fig. 6 illustrates the pressure dynamics in the shale reservoir over the shut-in period. Initially, the energizing effect of the fracturing fluid had elevated the fracture wall pressure to around 31 MPa. However, as the shut-in period progressed, this pressure began to decline, while the shale matrix reservoir pressure steadily increased, suggesting an evolving equilibrium between the fracture and matrix.
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Figure 6: Variations in shale matrix pressure over different shut-in durations

Fig. 7 presents the vertical pressure variations within the reservoir over different shut-in durations. There was a pronounced pressure disparity between the fracture and matrix in the early shut-in stages. This disparity is a direct consequence of the initial injection, creating a pressure differential that drives fluid movement. However, by the 28th day, this disparity had diminished, with the system stabilizing around a pressure of 19.8 MPa.

[image: images]

Figure 7: Pressure variations in the vertical reservoir over different shut-in durations

3.3 Seepage Distance during the Flowback Production Phase

Building on the insights from the previous section, we employed the developed imbibition mathematical model to elucidate the mechanisms by which enhanced permeability influences the imbibition and displacement efficiency in shale oil during the soaking phase. This section delves into the pressure and saturation distribution dynamics during the backflow production phase of shale oil. By establishing a constant pressure boundary at the fracture face for backflow production, we aim to define the limiting seepage distance and explore the variations in pressure and saturation within the shale matrix reservoir over different production durations.

Considering the bubble point pressure of the target reservoir to be approximately 9.1 MPa, the model’s fracture face pressure was set at 9.2 MPa, slightly above the bubble point, for production purposes. The initial reservoir pressure of the model was established at 19.8 MPa, reflecting the final stabilized pressure during the soaking phase. This setup aimed to simulate the flow dynamics of both oil and water during the production phase.

In this study, the term “limiting seepage distance” is introduced to represent the maximum distance to which pressure propagates in the reservoir when production extends indefinitely. The definition of the limiting seepage distance is based on the assumption of infinite production duration. Specifically, under the conditions of a startup pressure gradient (in this study, a gradient of 0.13 MPa/m is used), the distance to which pressure propagates to its utmost limit is regarded as the limiting seepage distance.

Fig. 8 depicts the relationship between the distance from the face of the matrix block and the corresponding pressure values over varying production durations, ranging from one to ten years. As observed from the figure, with the progression of production time, the pressure depletion zone gradually shifted from the left fracture wall deeper into the shale reservoir. The range affected by pressure changes expanded, indicating an increasing effective seepage distance in the shale reservoir. Moreover, as production time extended, the rate of increase in the effective seepage distance gradually decelerated. The calculated limiting seepage distance was determined to be 6.02 m.
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Figure 8: Vertical profile of reservoir pressure variation during the production phase

Fig. 9 illustrates the relationship between the distance from the face of the matrix block and the oil saturation over various production durations. The reservoir’s oil saturation had exhibited a trend similar to that of pressure over time. Under the conditions of ultimate seepage, the reservoir’s oil saturation had decreased from 0.726 to approximately 0.68.
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Figure 9: Vertical profile of oil saturation (Dimensionless) changes in the reservoir during the production phase

By analyzing the distribution changes of reservoir pressure and saturation during the backflow phase of shale oil, it was determined that the maximum effective seepage distance is 6.02 m. This suggests that when the matrix block length is approximately 12 m, the shale matrix reservoir can be fully utilized. This insight can be applied to the study of differentiated fracture-matrix effective seepage boundaries, further guiding the optimization of fracturing spacing and cluster spacing.

4  Conclusion

In this study, we address the phenomenon of ‘enhanced imbibition due to low salinity’ in shale oil reservoirs. By considering any position between fractures as a unit, we established a one-dimensional mathematical model for shale oil reservoir flow, incorporating both capillary forces and osmotic pressure. Numerical simulations were employed to solve the model, investigating the two-phase flow mechanism based on matrix block size. We further analyzed the characteristics of enhanced imbibition in shale reservoirs, determining the effective seepage distances during both the shut-in imbibition and production phases. The primary conclusions drawn are:

Capillary forces primarily drive spontaneous imbibition. However, osmotic pressure can significantly enhance the imbibition recovery rate. Osmotic effects should be considered as a crucial mechanism for enhanced imbibition, second only to capillary action. When both capillary and osmotic forces are considered, the calculated imbibition depth increases by 12% compared to considering only capillary forces. The salinity difference between the reservoir and the fracturing fluid significantly impacts the imbibition depth. As the mass fraction of KCl in the fracturing fluid increases, the enhancing effect of the fluid’s imbibition weakens. For hydraulic fracturing development in shale oil reservoirs, it is advisable to reduce the salinity of the fracturing fluid and increase the salinity difference between the formation water and the fracturing fluid to enhance shale oil recovery.

For the shut-in phase, we calculated the equilibrium between matrix and fracture pressures during the forced imbibition process post-fracturing fluid energization. Results indicate that, in the early shut-in period, forced imbibition displaces the fracturing fluid deeper into the reservoir, with an imbibition depth (or effective seepage distance) of 1.78 m. After a shut-in period exceeding 28 days, the pressure between the matrix and the fracture gradually reaches a dynamic equilibrium, stabilizing around 19.8 MPa.

During the production phase, a constant pressure boundary was set at the fracture face for back-production. Following the principle that the pressure gradient between the shale matrix reservoir and the fracture face exceeds the threshold pressure gradient, the maximum effective seepage distance is the pressure propagation limit distance. Simulations suggest that the maximum seepage distance for the target block is approximately 6.02 m. This implies that the shale matrix reservoir can be fully utilized when the matrix block length is around 12 m. This understanding can be applied to differentiate the effective seepage limits between fractures and matrices, further guiding the optimization of fracture spacing in hydraulic fracturing design.
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Table 1: Basic parameters of numerical simulation

Parameter Value Parameter Value
Model length/m 15 Perfect gas constant/(J-K "'mol ')  8.314
Porosity 0.088 Permeability/mD 0.13
Oil viscosity/(mPa-s) 1.3 Water viscosity/(mPa-s) 1.00
Bound water saturation 0.276 Membrane efficiency 0.1
Initial oil phase pressure/Pa 0 Capillary back pressure/Pa 5x10°
KCl mass fraction of fracturing fluid 2.5% Mineralization degree of shale 40.5
reservoir/(g'L ")
KCl concentration of fracturing 8.38 Salt concentration of shale 364
fluid/(mol'm ) reservoir/(mol'm )
Maximum angular frequency deviation ~ 50.05 x 10°  Capillary force curve fitting index 2.4

capillarity/Pa
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